Thermogenic dry gas flowed from Jurassic sections in the DH5R research well drilled onshore in Adventdalen, central Spitsbergen, Arctic Norway. The DH5R gas originates from the organic-rich units of the mudstone-dominated Middle Jurassic to Lower Cretaceous Agardhfjellet Formation, which is the onshore equivalent to the Fuglen Formation and the prolific oil and gas generating Hekkingen Formation in the southern Barents Shelf. Low-permeable, low-porosity sandstones from the Upper Triassic De Geerdalen Formation of the neighbouring DH4 well were oil-stained and gas was also collected from this interval. Gas from the two stratigraphic intervals have different compositions; the gas from the Agardhfjellet Formation is drier and isotopically heavier than the gas from the Upper Triassic succession. Both gases originated from source rocks of maturity near the end of the oil window (1.1 < Ro < 1.4% Ro). Maceral analyses of the Agardhfjellet Formation indicate that the more silty parts contain a high percentage of vitrinite-rich type III kerogen, whereas the clay-dominated parts are rich in liptinitic type II kerogen. The Agardhfjellet Formation has therefore the potential to generate both oil and gas. Several simulations based on pressure data and flow rates from the DH5R well were run to evaluate if the gas accumulation in the Agardhfjellet Formation is producible, i.e., can it be commercial shale gas. The models demonstrate how changes in the drainage area size and form, well types (vertical versus horizontal), number and length of induced fractures and thickness of the Agardhfjellet Formation affect gas production rates and producible volumes. Despite uncertainties in the input data, simulations indicate that the shale gas accumulation characterised in Adventdalen is producible. This gas can have major environmental benefits as an alternative for local power generation compared to coal.
Introduction
The rising global demand for energy puts pressure on both existing fossil fuel resources and alternative energy carriers to supply energy at an acceptable economic, social and environmental cost. Currently, the energy system in Longyearbyen is relying on locally produced coal and imported diesel. To lower the CO 2 emission, gas can be a temporary solution to characterise different energy carriers in terms of their costs, and is of high societal relevance considering the uncertain energy future in Longyearbyen (Tennbakk et al., 2018) . In this context, we investigate a gas accumulation in Adventdalen discovered during a recent CO 2 sequestering feasibility study.
Diamond drilling was used for eight boreholes near Longyearbyen, DH1 to DH8, that were fully cored for testing CO 2 storage feasibility ( Fig. 1 ; Braathen et al., 2012) . The deepest well, DH4, was drilled to a total depth (TD) of 972 m. The DH1 to DH8 boreholes were drilled at two separate drill sites. DH1 and DH2 were drilled northwest of the settlement near Longyearbyen airport, while the remaining boreholes were drilled in Adventdalen, 4 km southeast of Longyearbyen (Fig. 1 ).
Well and 2D seismic data were integrated with laboratory and geological field studies to delineate a potential unit for CO 2 captured in the local coal-fueled power plant (Braathen et al., 2012) . The sandstone reservoir (i.e., aquifers) comprises the Upper Triassic to Middle Jurassic Kapp Toscana Group, and is characterised by low matrix permeability and low to moderate porosity, reflecting paleo deep burial (Mørk, 2013) . Water injection tests within these units show increased effective permeability, which is believed to be a result of natural fractures in the sandstones Mulrooney et al., 2019) . The overlying organic-rich shales of the Middle Jurassic to Lower Cretaceous units of the Agardhfjellet and Rurikfjellet formations are potential cap rocks for buoyant fluids (Senger et al., 2016; Koevoets et al., 2018) . The mudstone-dominated Agardhfjellet Formation is highly fractured. Both the reservoir and at least part of the cap rock are severely under pressured, by up to 50 bar below hydrostatic pressure (Birchall et al., 2018) . The uppermost 250 m of the drilled succession is slightly over pressured by artesian water flow and is capped by approximately 120 m-thick permafrost at drill site 2 (Braathen et al., 2012; Betlem et al., 2019 ).
Open-system pingos in Adventdalen reveal the presence of a biogenic, methane-rich sub-permafrost groundwater with a δ 13 C-methane signature of between -71‰ and -48‰. The water shows dissolved methane concentrations (up to the solubility limit of 41 mg/L at 0°C) associated with saline porewater. This water is derived from former marine sediments that fill the valley bottom up to the marine limit at c. 70 m. Although some of the δ 13 C-methane values heavier than -55‰ may indicate the possible presence of thermogenic methane, partial oxidation of biogenic methane is a more likely explanation (Hodson et al., In review) .
Gas seeps in both shallow and deep units were encountered in all wells drilled, while oil-stained sandstones were found in the deeper Triassic successions. Geochemical analysis of gas and oil-stained sandstone of the Upper Triassic De Geerdalen Formation at 870 m to TD in well DH4 suggests that petroleum was originally sourced from the organic-rich marine mudstone (OMM) Figure 1 . Geological overview of the study area, modified from Koevoets et al. (2018) . (A) Location map of the Svalbard archipelago, with the study area highlighted by the red rectangle. (B) Zoom-in of the UNIS CO2 lab well park in Adventdalen, where six wells were drilled in close proximity. (C) Geological map of the study area, including the location of some of the conventional hydrocarbon exploration boreholes, based on Dallmann et al. (2001) . (D) Regional cross-section across the Central Spitsbergen Basin. For location, see Fig. 1B . (E) Regional stratigraphic column highlighting the stratigraphic position of the Agardhfjellet Formation, modified from Nøttvedt et al. (1993b) . Digital geological map, courtesy of the Norwegian Polar Institute.
The Carboniferous and Permian succession in Svalbard consists of mixed siliciclastic, carbonate, evaporite and silica deposited in rift basins (Steel & Worsley, 1984) . The Mesozoic is dominated by mixed sandstones and shales deposited in epicontinental or sag basins. West Spitsbergen was a sediment sink, sourced from the west in the Early and Middle Triassic (Mørk et al., 1982) , and from the east in the Late Triassic. The Triassic basin fill in the Barents Sea was mostly sourced from the east and southeast as a consequence of denudation of the Uralian mountain chain and Fennoscandia (Glørstad-Clark et al., 2010; Klausen et al., 2017) . Flooding with high organic production in the Middle Triassic resulted in the deposition of the Botneheia Formation, one of the major source rocks in the southwestern Barents Sea (Mørk et al., 1999; Krajewski et al., 2007; Krajewski, 2008; Ohm et al., 2008; Abay et al., 2017) . In the Late Triassic to Middle Jurassic the subsidence rate decreased (Ryseth, 2014) leading to more complex source to sink trends (Klausen et al., 2017 (Klausen et al., , 2018 Rismyhr et al., 2019) . While the western boundary of the Barents Shelf was part of the North Atlantic Middle Jurassic to Lower Cretaceous rift system, Svalbard and nearby platform areas continued to subside as sag basins with a weak compressional influence from the east (Grogan et al., 1999) .
The mudstone-dominated Bathonian to Ryazanian, Agardhfjellet Formation, containing organic-rich units, is approximately 220 m thick in central western Spitsbergen (Dypvik, 1984; Koevoets et al., 2019) . The organic-rich mudstones within the Agardhfjellet Formation, often characterised as paper shale in outcrops, are the onshore equivalent of the Fuglen Formation and the prolific source rock of the Hekkingen Formation on the Barents Shelf (Worsley, 2008) . Nagy et al. (2009) suggested that the Agardhfjellet Formation was deposited in a stratified water column, with high organic production under changing anoxic, dysoxic, and oxic seafloor conditions. Recent studies suggest periodic deposition under very shallow water into the fair weather wave base (Koevoets et al., 2019) . During the Early Cretaceous, uplift continued in the north and northwest with clastic wedges building out from the west, northwest and northeast as well from local point-sourced internal highs and rift shoulders (Midtkandal & Nystuen, 2009; Marín et al., 2016; Grundvåg et al., 2017 Grundvåg et al., , 2019 . The provenance area gradually shifted to the north/ northwest, and is related to rift and drift to the opening of the Amerasian Basin and associated High Arctic Large Igneous Province (HALIP) in the north (Grantz et al., 2011; Senger et al., 2014) . Upper Cretaceous sedimentary rocks have not been observed in Svalbard (Smelror & Larssen, 2016) , probably as a result of uplift of the northern margin of the Barents Shelf (Maher, 2001) .
Contraction by transpressional tectonics in the Paleogene created the West Spitsbergen Fold-and-Thrust Belt (WSFTB) and the subsequent development of a foreland basin: the Central Tertiary Basin (CTB; Bergh of the Middle Triassic Botneheia Formation (Abay et al., 2017) . After a water injection test in well DH7A, leak offtest (LOT) in DH5R, and cross-well flow test between boreholes DH7A and DH5R, gas was encountered in both wells. All tests were executed in open hole, which includes 25 to 30 m of organic-rich mudstone of the basal part of the Agardhfjellet Formation, 25 m of the sandstone and shales of the Wilhelmøya Subgroup, and at the base until total depth (TD), 3 to 4 m of heterolithic shale and sandstone of the top part of the De Geerdalen Formation.
The purpose of the cross well-flow test between wells DH5R and DH7A, which were drilled 94 m from each other, was to investigate the lateral continuity of fluid flow in the Wilhelmøya Subgroup. The test showed only minor or no communication between the wells (see Mulrooney et al., 2019 for details) . After a water injection test, which proved no lateral connection in the Wilhelmøya Subgroup, water was sucked into the formation and replaced with methane gas in the wellbore resulting in a well head pressure of 24 to 25 bar. The gas was repeatedly bled off from well DH5R to 1 bar at the surface. The pressure rebuilt after roughly 24 hours. During a water injection test in DH5R, the surface pressure dropped over a one month period from 24-25 to 6.7 bar. Gas-saturated shales were surprisingly encountered in Adventsdalen after leak-off testing of the potential top seal of the shale-dominated Agardhfjellet Formation.
In this study, we use geochemical analyses, wireline logs, production test data, and maceral analyses to thoroughly document the gas discovery in Adventdalen. Furthermore, we present production scenarios with a range of possible production strategies to quantify the production potential of the discovery, and discuss its potential for local energy use.
Geological setting
The Svalbard archipelago is situated in the northwestern corner of the Eurasian continent. The Precambrian to Cretaceous strata on Svalbard represent the exposed part of the subsurface of the Barents Shelf (Nøttvedt et al., 1993a; Worsley, 2008) . The Svalbard platform is bordered on its western and northern flanks by the Cenozoic opening of the Norwegian-Greenland Sea and the Eurasia Basin, respectively (Faleide et al., 2015) . The Upper Palaeozoic and Mesozoic basin fill in Svalbard, and the southwestern part of the Barents Shelf, is bounded by two major global plate-tectonic events; the Caledonian Orogeny, and the Cenozoic break-up of the NE Atlantic (Norwegian-Greenland Sea) and Arctic Eurasia Basin (Faleide et al., 2015) . In Svalbard, the last event was part of the Eurekan Orogeny (Piepjohn et al., 2016 (Piepjohn et al., ). et al., 1997 Braathen et al., 1999; Leever et al., 2011) . Seafloor spreading was established in the earliest Eocene. The Paleogene basin fill in our study area, i.e., near the axis of the CTB in Spitsbergen, experienced subsidence throughout the Paleogene. Uplift, renewed volcanism and glaciation characterise the Neogene and is further discussed below.
Burial, temperature history effecting the maturation of the Agardhfjellet Formation in central Spitsbergen
The Upper Cretaceous and Circum-Arctic basaltic magmatic activity during the Early Cretaceous resulted in the emplacement of numerous sills and dykes in the study area (Senger et al., 2013 . The magmatism might have locally raised the temperature gradient (Brekke et al., 2014; Polteau et al., 2016) . However, the Agardhfjellet Formation in our study area appears only locally affected and is thought to have been immature throughout the Mesozoic. The Cenozoic burial history and subsequent unroofing likely had the greatest influence on the maturation and pore pressure of the Agardhfjellet Formation. The Eurekan transpressional tectonism with formation of the WSFTB and the associated foreland basin, the CTB, in the Paleogene, contributed to continuous burial of the Mesozoic succession in Adventdalen. Later transtension and breakup in the Eocene (Steel et al., 1985; Bergh et al., 1997; Helland-Hansen, 2010; Leever et al., 2011) with associated volcanism probably raised the paleo-temperature gradient significantly. Based on vitrinite reflectance analysis, Marshall et al. (2015) suggested that the base-Paleocene experienced maximum burial temperatures of 120°C in the central part of the CTB indicating a thermal gradient of approximately 50°C/km. Even today, the gradient remains high with well DH4 exhibiting a temperature of nearly 40°C at 970 m (Braathen et al., 2012) . The Cenozoic burial history of the CTB is complex with partially contradictory data. More recent burial history studies suggest that maximum burial occurred in the Middle Eocene (Marshall et al., 2015; Dörr et al., 2019) . The uplift during the last few million years, with associated glaciation and erosion (Dimakis et al., 1998) is probably the single most important geological event for Paleogene-Neogene migration and preservation of hydrocarbon accumulations for large parts of the Barents Sea (Cavanagh et al., 2006; Ohm et al., 2008) . Abay et al. (2017) drew a similar conclusion from residual bitumen in Svalbard.
Based on well data, 2D seismic lines, outcrop data, and geological maps of the study area, a structural contour map of the base Agardhfjellet Formation for central Spitsbergen was compiled ( Fig. 2A ). This map has several uncertainties in the subsurface areas particularly in the blue coloured areas due to limited well data and the lack of seismic data in the folded and thrusted area related to thin-skinned tectonics of the WSFTB (Fig. 1D) (Bergh et al., 1997) . Generally, however, the map gives a correct picture of the westward-dipping surface ( Fig. 2B,C) . The map shows that to the west of our study area, the base of the Agardhfjellet Formation is buried to at least 300-350 m deeper than in well DH5R.
Methods and data
The Agardhfjellet Formation was characterised using a wireline log suite of gamma-ray, velocity and resistivity data and sedimentological, biostratigraphical and geochemical studies (Koevoets et al., 2016 (Koevoets et al., , 2019 Abay et al., 2017) . Previously unpublished maceral compositions from four DH5R samples (Table 1) and vitrinite reflectance data (Table 2) from well DH4 were supplemented to these studies.
Gas samples were collected in gas bags at well head ( Fig. 3 ) and analysed at IFE (Institute for Energy Technology) for molecular composition and carbon isotopes of individual gas components. Gas compositions (methane (C1), ethane (C2), propane (C3), butanes (C4) to pentanes (C5) and CO 2 ) were measured using gas chromatography (GC; Agilent 7890 RGA) and stable isotopes (δ 13 C) were measured using gas chromatography isotope ratio mass spectrometry (Nu Horizon GC IRMS) as described by Huq et al. (2017) .
Pressures and leak-off and gas test
Pressure was monitored in wellbores DH4 and DH5R while they were shut-in with downhole pressure sensors hanging on the wireline. In DH4, well pressures of 31 and 29.6 bars were encountered in the upper and lower Triassic reservoirs, respectively ( Fig. 3 ). These pressures equate to under pressures in excess of 50 bar below hydrostatic (Braathen et al., 2012; Larsen, 2013a, b; Birchall et al., 2018) . The measured pressures represent a maximum possible reservoir pressure, but it is possible that pressures are even lower and have been elevated by invasion of drilling fluids. When gas entered the DH5R wellbore, it reached equilibrium with the gas-bearing interval of the Agardhfjellet Formation at 28.9 bar (Larsen, 2012) , highlighting that similar under pressure extends into the cap rock. Water with potassium chloride was used as a drilling fluid and was lost from the wellbore during drilling of several wells. The drilling fluid was likely lost into the Wilhelmøya Subgroup, and this is further evidence of under pressure. The Cretaceous Helvetiafjellet Formation, overlying the shales of the Janusfjellet Subgroup (Agardhfjellet and Rurikfjellet formations), is slightly overpressured ( compiled by W.K. Dallmann, 2016 Layer-parallel faults are not shown, as they do not inuence the contours. in this interval, water flowing to the surface indicates a few bars of overpressure with artesian origin.
A leak-off test was performed in well DH5R at 645-648 m. When drilling continued, the drilling fluid was lost, most likely into fractures formed during the leak-off test. The interval 645-648 m was therefore cemented and further drilling to 701 m (TD) proceeded without further loss of drilling fluid. As gas replaced water in the open hole section (648-701 m) it was decided to test the well for gas production (Fig. 4) . The lowermost 30 m of the open hole section consists of interbedded sandstone and shale from the water-saturated reservoir of the Wilhelmøya Subgroup. The uppermost 25 m comprises organic-rich sandy mudstone of the Agardhfjellet Formation (Figs. 4 & 5) . A "thermal mass flow" method was used for the gas test. The thermal flow sensor should have been connected to a laptop with dedicated software to record flow parameters, but this set-up was not successful. Data was instead recorded manually from the display without any problems. Although the flow sensor was designed to measure rates up to 40 Sm 3 /hr there were no problems measuring the actual rates that turned out to be higher but less than 100 Sm 3 /hr.
Results
The leak-off test performed in the organic-rich 645-648 m interval (Figs. 3A & 4) of the Agardhfjellet Formation, is suggested to have led to the formation of new fractures or opened pre-existing fractures. This may have resulted in release and flow of gas trapped in the source rock, analogous to the successful unconventional shale gas exploration in the US (Energy Information Administration, 2018a). A water injection test of the neighbouring well, DH7A, implies that there was one fluid phase in the Wilhelmøya Subgroup. Gas was encountered in well DH7A before water injection. This gas was, however, not tested as this well was drilled to the same depth as DH5R where gas was tested in the same depth interval (Table 3) .
Metre-scale faults and igneous intrusions may, however, contribute to compartmentalisation of the very lowpermeability reservoir (Mulrooney et al., 2019) . Generally, there is a drop in the resistivity logs below the high-resistivity Lardyfjellet Member including where the leak-off test was performed ( Fig. 5 ). This indicates that the open hole tested interval 645-701 m does not represent a conventional high-saturation petroleum reservoir, and consequently that the tested gas originates from the shale fractured by the leak-off test. High resistivity within the Lardyfjellet Member coincides with elevated gamma-ray and reduced velocity. This is attributed to the presence of highly organic-rich shales as confirmed by total organic carbon (TOC) analysis on the drillcores (Koevoets et al. 2019 ).
Geochemical analyses of gas
Eighty core samples were collected from wells DH6 and DH7A. Gases expelled from these due to pressure decrease were collected and analysed for composition and carbon isotope values (Huq et al., 2017) . The results, illustrated in Fig. 6 and listed in Table 4 , show a 
Figure 3. (A)
Stratigraphy and overview of gas data at the UNIS CO 2 lab well park in Adventdalen. A detailed log of the interval from 430 to 710 m is provided in Fig. 5 . The inset photos show the gas bags sampled from gas production from the DH4 well and custom built containers for sampling drillcore gas. Both photos by IFE (Huq et al., 2017 gradual change in the methane carbon isotopes (δ 13 C) from light values at shallow depth (Group A) to heavy values at the base (Group E). This reflects a change from biogenic to thermogenic gas. The general increase in the concentration of ethane (C 2 ) to butane (C 4 ) supports this. The increased relative concentration of C 6+ in the sandstone underlying the Agardhfjellet Formation shows that this interval contains petroleum in the liquid range ( Fig. 6 ). As previously discussed, however, low resistivity in this interval rules out that the sand contains highsaturation producible oil and, therefore, merely indicates that it contains residual petroleum.
Additional gas samples from the DH wells are plotted in Fig. 7 . The figure supports the overall trend that the shallowest gases are biogenic or mixed biogenicthermogenic, whereas the deeper gases all have a thermogenic origin.
Six gasbags were filled with gas from the open hole (870-970 m) in well DH4 and 5 gasbags from the open hole in well DH5R (645-701 m) ( Fig. 3 , Table 5 ). The high i-C 4 /n-C 4 ratios for all the gases suggest that they are biodegraded as bacteria preferentially remove n-C4. However, the ratio is according to Leythaeuser et al. (1979) primarily controlled by kerogen quality. Type II kerogen generates significantly lower iso/nalkane ratios compared to type III kerogen. Methane concentrations are plotted versus isotope values in Fig.  8 , and suggest that the DH5R gas has a humic source. This may accordingly explain the high i-C4/n-C4 ratios of the sampled DH5R gas. Gas from the DH4 gasbags are suggested to have a marine, kerogen type II origin ( Fig.  8 ) and consequently should demonstrate lower i-C4/ n-C4 ratios. Isotope values of individual gas fractions are shown in Fig. 9 . Katz et al. (2002) and Wang et al. (2005) show that biodegraded gases have 'peaks' (heavier isotope values) for propane and normal butane and lighter values for iso-butane. Non-degraded gases do not show this trend. Fig. 9 shows that gas from the DH4 gasbags has heavier propane and normal butane isotope values and lighter iso-butane, hence suggesting that the DH4 gas is biodegraded. This may explain the high i-C 4 /n-C 4 ratio.
The plot of δ 13 C-ethane versus δ 13 C -propane ( Fig. 10) indicates the maturity of the source rocks that generated the gases. The plot suggests that the majority of gases sampled from the open-hole intervals in wells DH4 and DH5R came from source rocks in the maturity range 1.2 to 1.4% Ro. The relationship between isotopes and vitrinite in Fig. 10 , however, is made for type II kerogen (Whiticar, 1994) ; thus, the suggested maturities for the DH5R gas, which has a humic source, may be hampered with more uncertainty than the DH4 gases. This may explain the large spread in maturity for the DH5R gases with end members at 0.9% and 1.7% Ro. Tmax versus hydrogen index (HI) for the Upper Jurassic sections in wells DH2 and DH5R are plotted in Fig. 11 on a background of 34 Barents Sea wells of various maturity stages downloaded from the Norwegian Petroleum Directorate's FactPages. It is clear that the analysed Agardhfjellet source-rock intervals in wells DH2 and DH5R are mostly in the wet gas maturity window. This is similar to the gas maturities suggested for the DH4 and DH5R gases in Fig. 10 . This maturity range fits well with data from Abay et al. (2017) who analysed residual oil in the same stratigraphic interval that tested gas in well DH4, and concluded that it originated from a Middle Triassic source rock at the end of the oil window. The maturity trend for the area is visualised in Fig. 12 with vitrinite values plotted versus depth for well DH4 and Tmax values versus depth plotted for wells DH2 and « Table 3 . Summary of gas encountered in the UNIS CO 2 lab wells. The stratigraphic positions of the gas are highlighted in Fig. 3 . The star plot diagram (Fig. 13 ) clearly differentiates gases from wells DH4 and DH5R based on composition and isotope values of individual gas fractions. Both gases are dry with methane concentrations >90%. The DH4 gases from the De Geerdalen Formation contain less methane and higher concentrations of ethane through butane, which is to be expected as the tested interval also contains residual oil (Abay et al., 2017) . The DH4 gases are also isotopically lighter than the DH5R gases. These differences, based on the previous discussion, reflect different origins for the gases. The DH5R gas is believed Koevoets et al. (2019) , Rismyhr et al. (2019) and Mulrooney et al. (2019) . Wireline data from the Geological Survey of Norway (Elvebakk, 2010) . DG -De Geerdalen Formation. Figure 6 . Drillcore gas data from the UNIS CO 2 lab well park in Adventsdalen. Data analysed by IFE (Huq et al., 2017) . Figure 7 . All gases released from cores taken at the deeper stratigraphic intervals in the wells plot as having a thermogenic origin. Gases from the shallower cores mostly plot as mixtures between thermogenic and biogenic gas. Modified from Bernard et al. (1976) and Faber & Stahl (1984) . to be in situ gas from the Agardhfjellet Formation released by formation of radiant fractures induced by the leak-off test in the 645-648 m interval (Figs. 3A & 4) . The DH4 gas has migrated to its present location from a marine type II kerogen, which was at the same maturity as the present-day maturity of the source rock expelling the DH5R gas.
Gas discovery
Surface sediments collected from fjords on Svalbard contain a mixture of thermogenic and biogenic gas consisting of methane with some ethane and minor concentrations of C 3+ (Liira et al., 2019) . The thermogenic fraction of these gases originate from gasmature source rocks belonging to the Middle Triassic Botneheia and Upper Jurassic Agardhfjellet Formations. Figure 9 . Isotope values of individual HC gas components fractions from wells DH4 and DH5R. The relatively heavier isotope values seen for propane (C3) and normal butane (n-C 4 ) from the DH4 gasbags suggest that the gases are biodegraded (Whitaker, 1994) . The DH5R gases do not show this trend and are not believed to be biodegraded. Berner & Faber (1996) 
Figure 10

Maceral compositions
The maceral composition of four samples from the Agardhfjellet Formation in DH5R were analysed and indicate that the Agardhfjellet Formation contains a mixture of type II and type III kerogen (Fig. 14) . The most fine-grained interval shows a higher TOC content and consists of kerogen type II, whereas the more silty intervals have a lower TOC content and higher vitrinite content, corresponding to type III kerogen. The analysed DH5R gas, which is suggested to have a humic, kerogen type III source, hence represents the siltier part of the Agardhfjellet Formation. The high content of solid bitumen seen in the middle part of the 40 m-thick lower shale sequence (Fig. 14) correlates with the highest TOC content and may reflect the presence of non-expelled petroleum. This could be linked to the lower quartz content in the middle part of this shale interval, which makes it less brittle and consequently less likely to fracture during pressure build-up related to maturation of the source rock (Table 1) (Cardott, 2012) .
Test data and gas-flow properties from well DH5R
More than 22 months of pressure data exist from the DH5R borehole after the water had segregated below the gas source, and the well could be considered as a gas producer. Most of the data cover extended shut-in periods between gauge-retrieval operations. With positive pressure at the well head it was necessary to bleed off the pressure before the gauge could be pulled to download pressure data, change battery and reset the gauge. Except for some controlled operations with a mounted in-line gas-flow meter in August 2013, the gas was flared to drawdown the pressure without rate measurements ( Figs. 3B & 4) . Nevertheless, based on two flow periods with declining rates over approximately 6 hours (August 2013), and pressure data from the following shut-in periods, we have a good basis to determine the flow capacity (permeability-thickness product) of the formation contributing the gas flow. From the characteristics of the pressure recovery after shutins, it was clear that the formation had to be bounded by nearby faults or other flow barriers. One nearby pressure boundary is consistent with an interference test between wells DH7A and DH5R where no pressure response was observed, but just one boundary is not sufficient to match the pressure data (Mulrooney et al., 2019) .
A long and narrow, 5 m-thick, rectangular drainage area (Fig. 15A ) with permeability 0.5 md and the well located near one end was found to closely match the pressure buildups with flow rates consistent with the August 2013 data. The distances are small: 17 and 34 m to the sides, 8 m to the end, and at least 600 m to the most distant boundary. The gas composition used in analyses and in forecasts to generate key PVT parameters is 97% methane and 3% ethane.
As discussed above, the formations are significantly under-pressured. From the DH5R gas-flow data a formation pressure of 28.9 bar has been estimated along with a temperature of 24°C at a depth of 645 m.
In addition to the rectangular boundaries it has also been necessary to use a negative skin value at the well to compensate for less pressure drop at the well than what radial flow all the way to the small borehole would imply. This is consistent with a short hydraulic fracture with half-length 2.7 m (full length 5.4 m) at the well. Following an initial leak-off test in the shale (Figs. 3A &  4) , the existence of a fracture is considered realistic.
Forecasting shale gas production Potential production forecasts of shale gas from the Agardhfjellet Formation using two scenarios based on a) the vertical DH5R borehole and b) on optimised horizontal producers.
Scenarios based on DH5R properties
Based on the test results from well DH5R, production forecasts were run directly from the analysis model and from more productive scenarios. From the basic model with a 5 m-thick interval and nearby boundaries, the production declines rapidly as it is expected from such a narrow flow model with the well located near one end of the drainage area. Forecasts were also generated for a square model with sides of length 2000 m and a fractured well at the centre using the same model parameters in order to determine the effects of fracture length on production ( Fig. 15 ). It was examined how production performance might be enhanced if a multi-fractured horizontal well is used as in shale gas operations onshore USA (Curtis, 2002) . Of course, if boundaries are present throughout the interval, then additional drainage points will be required to match the single-well performance of the open model.
All scenarios were run with the same initial pressure of 28.9 bar and flow at a constant bottom-hole pressure (operating pressure) of 10 bar and declining rate. With lower pressure the rate will increase to some degree, proportional to the added drawdown. With added formation thickness, the rate and production will increase with the same ratio if the flow properties are similar. Otherwise, there will be some correlation with the change in properties.
The production forecasts were generated for 4000 days (almost 11 years), starting with the model used in analyses of the DH5R (Fig. 15B) data with the most distant boundary at 1200 m (Fig. 15A) . In order to properly observe the rate decline with time, a logarithmic rate scale has been used, while the cumulative produced gas volume is shown on a linear scale. The forecast shows that the single well 'high' gas rates between 2500 and 1500 Sm 3 /day recorded from DH5R at pressures declining towards 10 bar, cannot be sustained for very long. Model gas rates over 100 Sm3/day are only expected for about 7 months. The main reason for the rapid rate decline from the DH5R model is the shape of the drainage area-a long rectangle of width 51 m with the nearest end only 8 m from the well. However, if the drainage area is changed from the long and narrow rectangle to a large square with sides of length 2000 m without changing the flow properties and operating pressure, the situation changes significantly as shown in Fig. 15C . This case was generated with a single infiniteconductivity fracture with a half-length of 2 m, which is a little shorter than the fracture half-length of 2.7 m used in the DH5R model. At the end of the forecasts (11 years) the produced volume was 13.7 times higher and the rate 27 times higher (584 vs. 21.6 Sm 3 /day) for the square drainage area compared to the narrow rectangle. The difference in area is 4 million vs. 61,608 m 2 for the two models. The square drainage area is therefore 65 times larger than the rectangular area.
For the same square model the data in Fig. 15D show how the performance is affected by different half-lengths for the fractured well. The cases shown are based on selected half-lengths (xf) of: 1, 2, 4, 8, 16, 32, 64, 128 and 256 m, all with infinite conductivity. The plot shows a significant improvement in production with even a moderate half-length of 64 m, with a doubling of the case with a fracture half-length of 2 m.
Two advanced, multi-fractured, horizontal well cases (MFHW 1 and MFHW 2) have also been included for reference. Layouts of these are shown in Fig. 16A . The MFHW 1 case has 10 infinite-conductivity fractures with half-lengths of 100 m that are evenly distributed along a centered horizontal well of length 500 m. The MFHW 2 case has the same number of fractures as MFHW 1, but with half-lengths of 200 m evenly distributed along a well of length 1000 m. An important objective of such completion scenarios is improved formation exposure in the sense of reducing flow distance from the formation to the well or fracture system, and thereby increasing the gas production. This is clearly the case for the MFHW 2 scenario relative to MFHW 1 (Fig. 16B) . While the gas production in the MFHW 1 case is not much different from a single fracture with a half-length of 256 m, the MFHW 2 case shows a much higher production. For lowpermeability formations it might be critical to reduce the flow distance with multi-fractured wells with formation exposure similar to the MFHW 2 scenario or better, but not necessarily for cases with permeability as high as that obtained from the DH5R data. The choice will depend on the required rates. Fig. 16B illustrates how much the production can be increased by choosing multi-fractured horizontal wells compared to single-fracture vertical wells. The main difference is in the early data, with the MFHW 2 case enabling much higher initial production.
Although multi-fractured horizontal wells can be efficient producers, similar performance can be matched with the cumulative production from multiple fractured vertical wells. Fig. 16C illustrates this point by comparing the MFHW 2 case with a case with one well in each quadrant, each fractured with the same half-length of 200 m as for the scenario with 10 MFHW 2 fractures. With more fractures, MFHW 2 operates at a higher rate initially, but only for about 30 days (not visible in Fig.  16C ). Until about 2200 days (6 years), the vertical wells operate at a higher rate than the MFHW 2. After this, the MFHW 2 again operates at a higher rate because the 4 wells have lowered the formation pressure much more in the cases characterised by reasonably high permeability and shallow formations. Therefore, vertical wells are likely more economical, and definitely a more robust option.
An important indicator of the production efficiency of the different completion scenarios is the change in average pressure over time, but this has to be viewed along with the rate. Fig. 16D shows, for instance, that the DH5R model is quite efficient in terms of producing the in-place volume, but at a relatively low rate.
Scenarios with thicker and more productive formations
As has already been pointed out, the production is directly proportional to the thickness of the formation. For early data, the production can also be considered to be proportional to the permeability, but the cumulative production is controlled by the pore volume and compressibility, thus higher permeability first of all enables accelerated production. Fig. 16E illustrates some scenarios comparing production forecasts from single fractured wells in formations with thicknesses of 5 and 30 m, and permeability of 0.5 md and 1 md, respectively. The drainage areas are both squares with sides of length 2000 m. The fracture half-length is 100 m in the 1 md formation and 200 m in the 0.5 md formation, with longer fractures selected to compensate for the lower permeability. The results shown in Fig. 16E are as expected, with a more than 6-fold increase in production going from a 5 to a 30 m-thick formation, but not a 12-fold increase (30 m / 5 Figure 13 . Star diagram differentiating the DH4 gases coloured red from the DH5R gases coloured green. The DH5R gases are drier than the DH4 gases whereas the latter are isotopically lighter. The figure clearly separates the DH4 from the DH5R gases, which were sampled in gas bags. m * twice the permeability) since a longer fracture in the 5 m thick formation compensates to some degree for the lower permeability. Figure 14 . Maceral composition linked to detailed stratigraphy and TOC measurements of the Agardhfjellet Formation as presented by Koevoets et al. (2018) . Samples A and B are representative of kerogen type II, while sample D represents kerogen type III. Sample C shows a high content of solid bitumen, which correlates with the highest TOC of the shale. This may represent non-expelled petroleum. Table 6 . Overview of production scenarios tested.
Model name Key model parameters
DH5R rectangular
Single vertical well with a short fracture (half-length 2.7 m) located near one end of a 51 by 608 m rectangular drainage area of thickness 5 m and permeability of 0.5 mD 
Discussion
Regional implications of the Adventdalen shale gas discovery
Petroleum exploration onshore Svalbard resulted in the drilling of eighteen wells in the period from 1961 to 1994 targeting conventional petroleum systems (Nøttvedt et al., 1993b; . The majority of the boreholes were drilled on the basis of surface mapping, while only three were placed on the basis of 2D seismic data. Apart from the poor reservoir quality, the definition and size of traps were considered as the most significant risk elements (Nøttvedt et al., 1993b) . While no commercial petroleum accumulations were encountered, more than half of the wells encountered gas shows, some in measurable quantities . Many of these were stratigraphically associated with organic-rich shales in the Middle Triassic (Botneheia/Bravaisberget formations), but a shale gas accumulation from the Upper Jurassic Agardhfjellet Formation was reported from the 7617/1-1 Tromsøbreen-I well (NPN, 1977) . Fig. 2 shows a structural contour map of the Agardhfjellet Formation, indicating its gradual deepening towards the southwest. The Agardhfjellet Formation acts as the uppermost of three major décollement zones characterised by thin-skinned tectonism associated with the formation of the WSFTB (Bergh et al., 1997; Braathen et al., 2012) . Thrusts, back-thrusts and duplex structures are commonly associated with this décollement zone and the overlying strata. Some of these provide conventional structural closures such as the anticline within the Cretaceous Helvetiafjellet Formation targeted by the 7814/12-1 Kapp Laila well drilled in 1994. Contrary to conventional traps, the unconventional systems do not require discrete structures and thus represent an interesting petroleum exploration play. To fully quantify the resource potential of shale gas deposits onshore Svalbard, a dedicated effort focusing on quantifying key parameters (TOC, thickness, gas adsorption, etc.) is required. Strict environmental regulations would certainly hamper such an extensive regional study. The present work, however, indicates that a producible gas resource is located in Adventdalen in the immediate vicinity of Longyearbyen, and it is thus logical to consider whether this occurrence could provide a secure energy source in the future.
Shale gas: a possible future cleaner energy source in Longyearbyen?
In 2017 the United States became a net exporter of natural gas (Energy Information Administration, 2018b). This is a result of the boom in petroleum production from shales (unconventional exploration), which has continued since natural gas production became commercial from the Carboniferous Barnett Shale (Texas) around 2000 (Curtis, 2002) . Shale oil production has also increased significantly as exemplified by the Cretaceous Eagle Ford shale play (Texas), which went from almost no production in 2010, to a production of roughly 1.4 Mbbl per day in 2019 (Energy Information Administration, 2019). Unconventional natural gas production is based on the hydraulic fracturing method developed by the pioneering Mitchell Energy Corporation. Kuuskraa (2011) reports that shales with quartz-rich composition are more brittle than clay-rich shales, and therefore respond better to hydraulic fracturing and shale gas production. As previously described in this study, gas was retrieved both from a fractured, quartz-rich source rock interval of Upper Jurassic age (Agardhfjellet Formation) and from a Triassic low-permeability sandstone interval in Svalbard.
Electricity from gas instead of coal; what is the advantage?
According to the Intergovernmental Panel on Climate Change, the release of CO 2 to the atmosphere is one of the main factors causing global warming. For this reason, there is a global effort to reduce CO 2 emissions. Approximately 90% of the CO 2 and 75% of the total greenhouse gas emissions in developed countries originates from the energy sector (Alavijeh et al., 2013) . However, as the total greenhouse gas emission per kWh from coal-fired power plants is twice as large as that from natural gas-fired power plants (Agrawal et al., 2014; Tian et al., 2014) there is an incentive to exchange coal-fueled power plants with natural gas to reach global CO 2 reduction goals (Tanaka et al., 2019) . Besides CO 2 , other toxic air pollutants such as sulphur dioxide (SO 2 ), nitrogen oxides (NOx), particulate matter (soot, fly ash), carbon monoxide, volatile organic compounds and a range of heavy metals including arsenic (As), lead (Pb) and mercury (Hg) are emitted by burning coal.
New technologies are being installed in coal plants to significantly reduce emissions. Xiong et al. (2016) expect, for example, Hg emission to be reduced with 50% by 2030. However, with an annual 12% increase in coal consumption due to the increasing energy demand in China, currently the world's largest contributor of CO 2 to the atmosphere, the total yearly emission will still increase (Wang et al., 2012) . Natural gas-fired power plants have much lower emissions of CO 2 , NO x and SO 2 than coal plants (De Gouw et al., 2014) . Roy & Choi (2015) report up to 4 times lower emission for NO x and 50 times lower for SO 2 . Heavy metals are normally not associated with natural gases and such emissions from natural gas-fired power plants are therefore negligible.
The gas release from the organic-rich Upper Jurassic shales in well DH5R, which may be related to the leak-off test performed in the shale, resembles the unconventional exploration in the US. In this study, models have been produced to test whether this shale could produce enough natural gas to supply Svalbard locally with the yearly demand for electricity. Burning gas would, as mentioned, lead to a cleaner environment due to the reduction in the aforementioned air pollutants. The CO 2 resulting from oxidation of the natural gas could also be directly re-injected into the subsurface from where the gas was produced to maintain pressure and minimise the CO 2 footprint of the operation.
Energy need and well count with gas replacing coal as energy source
With just one well tested through a flow meter over a short period of time as a gas producer, there is considerable uncertainty about the potential for natural gas production as an energy source in Svalbard. Nevertheless, with the results above as guidelines, we can indicate what is required in terms of wells and productive formations to replace the energy currently provided from an estimated 25 thousand tons of coal per year with natural gas. Assuming that 0.8 Sm 3 of natural gas can replace the energy from 1 kg of coal, it will take close to 20 million Sm3 of natural gas per year to match the energy consumption on Svalbard (2015).
To give some rough guidelines of required well capacity, we consider first the case where the drainage area of the wells is only restricted by well spacing. The gas production could then be met with 5 vertical wells in a 20 m-thick formation, and 2 km fracture spacing if the wells are stimulated with high-conductivity fractures with half-lengths of around 70 m or longer. A thicker interval requires fewer vertical wells to produce the gas, but these will have to fracture the formation at several intervals. With flow barriers restricting lateral flow, it would be necessary to drill more wells, or possibly use horizontal wells.
Although in-place volumes are most critical, flow properties are also important. Still, unless the permeability is extremely low, reduced permeability can be compensated by longer fractures or reduced well spacing to maintain production.
Extrapolation from the limited DH5R data is of course risky, especially without scenarios downplaying the possibility of very poor lateral continuity. However, the results do indicate that sufficient gas resources might be produced from the Agardhfjellet Formation to replace the energy presently (2015) needed in Svalbard.
Conclusions
From this integrated study of the Agardhfjellet Formation it is concluded that:
• The gases from both wells have a thermogenic origin.
• The DH4 and DH5R gases are both dry with a methane content above 90%. The DH5R gas is driest.
• The DH4 gas produced from a Triassic section is isotopically lighter than the DH5R gas produced from the Jurassic section (Agardhfjellet Formation).
• The gases are formed from source rocks at the end of the oil window.
• The DH4 gas originates from a thermally mature marine source rock, whereas the DH5R gas is derived from a thermally mature humic source rock.
• The DH4 gas is biodegraded
• The maceral composition of the Agardhfjellet Formation in well DH5R changes from vitrinite gasprone (type III kerogen) in the silty parts to liptiniterich oil prone (type II kerogen) in the clay-rich parts.
• Using properties derived from the DH5R test results it is possible to illustrate the potential of gas production from the Agardhfjellet Formation under various scenarios
• Since the production data from DH5R are consistent with gas flow from a narrow 'channel-like' drainage area of limited extent, this scenario has limited production potential.
• However, other models demonstrate how changes in different model parameters, such as size of drainage area, vertical versus horizontal wells, lengths of induced fractures, and thickness of the Agardhfjellet Formation, can significantly improve the production potential.
• The models show that gas from the Agardhfjellet Formation may supplement and in some cases totally replace coal for electricity and heat production in Longyearbyen, hence reducing the negative effects that burning coal has on the environment.
• Gas production also from the low-permeable Upper Triassic De Geerdalen Formation supports a potential for unconventional gas exploration in the area.
